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1. Executive summary 
This report examines fracture pressures, thermal effects and fault reactivation pressures as constraints to 
maximum bottomhole injection pressures. 
Injection pressures (flowing bottom hole pressures) will need to be constrained (reduced) to remain below a 
thermally adjusted estimate of the fracture gradient. 
Reservoir fracture pressure may be reduced significantly due to thermal effects (cooling) from CO2 injection, 
particularly at high rates. 
Based on current best estimates, and assuming cooling of the formation by 40°C this would lead to a 
thermally corrected fracture pressure of approximately 44,170 kPa at 2300 m, rather than 52,170 kPa 
assuming no cooling (a 15% reduction). 
If 90% of the (adjusted) fracture pressure is used as a constraint for the maximum operating bottomhole 
pressure (BHP) for injection wells, then the BHP limit would be 39,750 kPa at 2300 m (a 24% reduction from 
the fracture pressure at virgin temperatures). It is proposed that models use high and low BHP cases of 
46,365 kPa and 31,340 kPa (also adjusted for depth) should be used for sensitivity analysis. These would 
represent cases where the reduction in fracture pressure due to cooling is less, or more, significant than our 
base case and thus the thermally corrected fracture pressure is higher, or lower. 
Fault slip analysis using Monte Carlo simulation (to account for uncertainties in stresses and fault 
orientations/geometries in the deeper part of the Surat Basin) suggests the pressure at which fault slip would 
occur (P90 = 53, 150 kPa, mean = 57,250 kPa) is likely to be higher than the BHP limit of any injection well 
determined by other operational constrains, and is thus not a significant risk to an injection project 
Faults must, however, still be considered as potential vertical leakage pathways for CO2 even if they are not 
mechanically reactivated i.e. they must be located. 
2. Subsurface pressure constraints on injection 
Injecting CO2 (or any other fluid) will increase the pressure in the subsurface over some period of time. This 
increase in pressure, or buildup, will be largest around the completion interval of the injection well, and 
decreases with distance (both horizontal and vertical) away from the well. There are several pressure 
thresholds which limit the injection of CO2 (either limiting the total volume injected, the injection rate, or both). 
The aim of this report is to describe these pressure thresholds and how they would be expected to impact on 
CO2 injection performance in the Surat Basin. 
2.1 Fracture pressure 
If the pressure around the injection well is increased sufficiently, it is possible to mechanically break the rock, 
inducing fractures. The pressure at which this occurs is the fracture pressure1 of the formation. In many 
cases fracturing the formation around the well while injecting is acceptable and is often beneficial, as it 
improves permeability and increases injection rates. In other situations, it may be necessary to avoid 
fracturing, e.g. if there are concerns around fractures propagating into or through an overlying sealing 
formation. If this is the case, the BHP of the injection well should not be allowed to increase above the 
fracture pressure. A safety margin should be employed to ensure this does not occur, with BHP limited to 
some fraction of the estimated fracture pressure. In this case, 90% of the fracture pressure will be used as 
the BHP limit of injection wells. This had been used in Canadian CO2 injection operations (Bachu and Gunter 
2005). 
                                                     
1 Fracture pressure (or gradient) can be used to describe a number of different pressures. In this case it refers to the formation 
breakdown pressure, i.e. the pressure at which intact rock around the well will break, creating new fractures.  
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In order to estimate the fracture pressure for the Blocky Sandstone Reservoir identified as the notional target 
for CO2 storage by the UQ-SDAAP, Mechanical Earth Models (MEMs) were created for wells which had the 
required datasets (See Appendix A for details). MEMs are numerical models representing the 
geomechanical state of the subsurface, and include the in-situ stresses and rock mechanical properties of 
the formations. These models are calibrated by ensuring the minimum stress calculated in the MEM for a 
well, matches the minimum stress determined by injection tests carried out in the well and validated using 
wellbore stability analysis. 
MEM wellbore stability analysis for two representative Surat Basin wells with the required input datasets (i.e. 
Fantome 1 and Glen 1), indicated that isothermal formation fracture gradients are expected to be ~22.20 
kPa/m (0.98 psi/ft). This value will be used as the base case isothermal fracture gradient, with 21.20 kPa/m 
and 23.20 kPa/m being the low and high case values to allow some sensitivity analysis. Uncertainty in the 
fracture gradient should be reduced by suitable testing (e.g. DFITs or XLOTs) during an appraisal program. 
Figure 1 Isothermal fracture pressure gradient in the Blocky Sandstone Reservoir as calculated from 
MEMs for two wells. 
 
An additional consideration when assessing the actual fracture pressure as a limit for the injection well BHP, 
is the further reduction in fracture pressure due to thermal effects of injecting relatively cool CO2 in a 
relatively warm reservoir. 
2.1.1 Theory of thermal effects on stresses and fracture pressures 
When a relatively cool fluid is injected into a relatively warm reservoir, the rock is cooled around the injection 
well. The cooled region grows in volume around the injection well and the rock within this cooled region 
contracts, inducing a thermo-elastic stress which be calculated as: 
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where E is Young’s modulus, ν is Poisson’s ratio, ΔT is the temperature difference between the formation and 
fluid (Tsurr – Tfluid), and αT is the coefficient of thermo-elasticity (Luo and Bryant 2010). Similar equations are 
presented in a number of other works (Paige and Murray 1994; Fjar et al 2008; Hettema et al 2004; Pepin et 
al. 2004; Maury and Idelovici 1995; Perkins and Gonzalez 1984). In some cases a shape factor (β) is 
included to account for the geometry of the cooled region (Paige and Murray 1994; Perkins and Gonzalez 
1985). ‘Typical’ thermo-elastic stress changes for sandstones are calculated to be between 0.1 MPa/°C and 
0.2 MPa/°C (Paige and Murray 1994; Fjar et al. 2008). 
Luo and Bryant (2010) included the thermo-elastic stress term to calculate the formation ‘breakdown 
pressure’ (equivalent to fracture pressure as used in this document) at the well as: 
𝑃𝑏 = 3𝑆ℎmin − 𝑆𝐻max − 𝑃𝑝 − ∆𝜎
𝑇 
Where Shmin and SHmax are the minimum and maximum horizontal stresses, and Pp is pore fluid pressure. It is 
worth noting that these equations are based on a non-penetrating fluid (Haimson and Fairhurst 1967), and 
penetrating fluids could lead to different breakdown pressures. 
The symbols and sign conventions in the preceding equation are consistent with those in Luo and Bryant 
2010. Zhang and Yin 2017 present similar equations but include a term representing the tensile strength of 
the rock. The magnitude of the change in breakdown pressure due to thermal effects (∆𝜎𝑇) is, however, the 
same whether or not this term is included.  
Kinik et al. 2016 considered the case where the minimum and maximum horizontal stresses were equal (i.e. 
isotropic). It indicates that the difference in the well breakdown pressure between isothermal and that 
resulting from thermally induces stresses is given by: 
∆𝜎𝑇 =  
2𝐸 ∙ 𝛼𝑇
(1 − 𝜈)
∙ (𝑇𝑤𝑠 − 𝑇𝑒𝑖) 
where Tws is the temperature of the drilling fluid, Tei is the geothermal temperature, and , α and ν are the rock 
mechanical properties defined previously. This equation is presented exactly as in Kinik et al. 2016 to allow 
for comparison with the previous equation, as it appears to indicate the effect of temperature on breakdown 
pressure is doubled.  
An additional challenge in modelling thermal effects of CO2 injection is determining the temperatures of the 
CO2 and the reservoir, and how the cooled region grows away from the well as CO2 is injected. 
There will be some heat transfer between the CO2 and formation as the CO2 flows down the well, causing 
the temperature of the CO2 at the bottom of the well to be higher than at surface. Previous works have 
shown that despite the warming of the CO2 as it flows down the well, it will (almost certainly) not reach 
thermal equilibrium with the geothermal gradient, and thus is still cooler than the formation when it reaches 
the bottom of the well (Bissell et al. 2011). The magnitude of this effect is dependent on a number of factors, 
including injection rate. A (relatively) simple model for the temperature profile within a CO2 injection well is 
presented by Luo and Bryant 2010. Using this model (with current best estimate of notional injection rates, 
and a mean specific heat capacity of the wellbore of 2,500 J/kg·K), it is estimated that the temperature of the 
CO2 could be between approximately 25°C (assuming a winter time surface temperature, 5Mtpa rate) and 
50°C (assuming a summer time surface temperature, 0.5Mtpa rate) as it enters the reservoir.  
Once the CO2 reaches the bottom of the well, it passes through the perforations in the well. This could 
potentially lead to Joule-Thompson cooling, although the effect becomes negligible when the number of 
perforations and/or perforation diameter are sufficiently large (Luo and Bryant 2010). For the purposes of the 
UQ-SDAAP models, this effect will not be considered. 
As CO2 moves away from the well, it cools the surrounding rock. This is an extremely complex process but 
attempts have been made to estimate the rate, extent (i.e. size and shape of cooled region) and magnitude 
of this cooling using simplified models. Perkins and Gonzalez 1985 considered a simplified case for cooling 
during water injection, where the area around the well was discretised into regions based on temperature 
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and water saturation. The properties within each of these regions were considered uniform, allowing the 
volume of the cooled region to be determined using an energy balance, and accounting for conduction to 
and from the overlying and underlying formations using a method described in Marx and Langenheim 1959. 
While this appears to be a useful approach in water injection scenarios, it may be less useful when modelling 
CO2 injection, where the upwards migration of CO2 could cause more significant cooling near the 
caprock/seal. This will be very sensitive to completion design (vertical, deviated, horizontal) and to 
assumptions of the ratio of vertical to horizontal permeability.  
It is possible to use coupled (geomechanical/thermal) models to investigate cooling effects of CO2 in 
reservoirs (Gor et al. 2013; Rutqvist et al. 2008; Vilarrasa et al. 2015), although this is extremely challenging, 
and attempts to history match these models appear to have had limited success (Bissell et al. 2011).   
2.1.2 Models of thermal effects associated with CO2 injection 
There are a number of modelling options available for estimating reservoir cooling effects from CO2 injection.  
Luo and Bryant 2010 used simple analytical models to investigate the effect of thermo-elastic stresses on 
‘safe’ (i.e. below fracture pressure) injection rates for CO2. They found where the temperature of CO2 at the 
wellhead was 15°C, that injecting CO2 into a 1000m deep reservoir at 50°C reduced the maximum injection 
rate which could be achieved without fracturing the reservoir. It said reductions from 12,000 ton/day to 250 
ton/day could be expected (where the initial value was the ‘safe’ injection rate, assuming no thermal stress 
effects). They also reported that the thermal cooling effect is more significant for more permeable formations, 
with the maximum safe injection rate appearing to plateau as permeability increases. It is not yet clear how 
directly these findings can be related to the Surat Basin notional injection scenarios, due to differences in 
reservoir properties, geothermal gradient, depth, surface temperature etc. However, they do highlight the 
potential significance of thermal effects during CO2 injection. 
The work by Luo and Bryant 2010 considered “safe” injection rates to be those that wouldn’t fracture the 
reservoir rock. In many water injection scenarios, thermally induced fracturing has been beneficial This may 
also be the case for CO2 injection. Goodarzi et al. 2015 looked into optimising injection of CO2, also 
considering cases where the fracture gradient was exceeded and state that “…spontaneous fracturing is 
expected to take place in most CCS projects that use vertical wells with injection temperature below reservoir 
temperature, unless the injection rates are impractically low.” While fracturing the reservoir may be 
beneficial, fracturing an overlying seal sufficiently to create a leakage to shallower formations needs to be 
avoided. However, this will depend on the local geology and the sensitivity of any receiving zone to CO2 
which leaks in this way. 
Coupled models have shown that there is potential for cooling caused by CO2 to affect the caprock as well 
as the reservoir (Gor et al. 2013; Rutqvist et al. 2008; Vilarrasa et al. 2015). Rutqvist et al. 2008 reported that 
buoyancy effects could mean the “upper part of the system” may have the highest potential for mechanical 
failure. The same study also revealed that injection induced fractures were less likely to propagate through 
the caprock in a compressional stress regime. Vilarrasa et al. 2015 determined that the thermal effects were 
only evident in the injection zone and “lowest tens of meters” of caprock in their models of injection at In 
Salah, Algeria. This means that if the caprock is thick enough, the thermal effects of CO2 injection are 
unlikely to jeopardise the top seal capacity.  
The Blocky Sandstone Reservoir in the Surat Basin is overlain by a Transition Zone, which is typically 100-
150m thick. This is a geologically complicated zone with significantly lower permeability than the Blocky 
Sandstone Reservoir, however it is not being considered as the main seal for containment of CO2. It is 
possible that some small volumes of CO2 could migrate some way into the Transition Zone, but would not 
likely move all the way through the Transition Zone and into the overlying Ultimate Seal above. Simple 
models of notional CO2 injection in the UQ-SDAAP project, which included thermal effects, showed that the 
cooling effect of the CO2 was focused around the notional injection well completion. In a simulation of a 
notional horizontal well completion option located at the base of the Blocky Sandstone Reservoir, where CO2 
was 30°C cooler than the initial reservoir temperature, regions of the lowest 5 m of the Transition Zone were 
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cooled by 20°C after 30 years of injection (Rodger et al. 2019c). This finding is similar to those of Vilarrasa et 
al. 2015, and suggests that while the lower part of the Transition Zone will experience some cooling, there 
will be no thermal effect propagating up to the overlying Ultimate Seal. However, if fracturing occurred in the 
Blocky Sandstone Reservoir or Transition Zone, it may allow CO2 to move more quickly upwards, increasing 
the cooling effect in the upper part of the Transition Zone. For this reason, a conservative approach will be 
applied. It will be assumed that 90% of the ‘thermally adjusted’ fracture pressure will serve as a limit to the 
bottomhole pressure of notional injection wells. With improved understanding of the geomechanics (i.e. the 
stress profile) of the Transition Zone, it may be possible to safely inject above the fracture pressure of the 
reservoir.  
Modelling work of Gan and Elsworth 2014b (albeit of water injection only), indicates thermal effects can also 
play a role in inducing seismic activity of faults by reducing shear strength and inducing shear slip. In other 
modelling studies of the same water injection case, two seismic events were observed in the simulations: the 
first when the hydraulic front reached the fault, and the second (smaller) event when the slower moving 
thermal front reached the fault and decreased the maximum in situ stress (Gan and Elsworth 2014a). Fault 
slip will be discussed later in this report, but for the purposes of the UQ-SDAAP models it is assumed that 
any notional injection would have to be sufficient distance from any fault to avoid the potential for leakage up 
the fault that there will be no thermal effect on fault stability.  
Assessing the magnitude of the reduction in fracture pressure due to thermal effects is challenging, although 
there are a number of studies reporting on thermal effects causing reduced fracture pressure in operational 
settings that may provide some insight. The effects are typically seen during either injection or drilling 
operations (where cooling is due to the circulating drilling mud), and may be used to help constrain modelled 
thermal effects on fracture pressures. The individual cases are discussed in the following sections, with the 
reported reductions in stresses (or fracture gradient) summarised in Table 1.  
2.1.3 Case studies: Thermal effects on formation fracture pressures while injecting 
water 
In the Ula field in the North Sea, significant injection rate increases coincided with reductions in injection 
water temperature (Svendson et al. 1991). The authors indicated that thermal stresses had reduced the 
fracture propagation pressure in the wells by more than approximately 13.8 MPa (2,000 psi), leading to 
Thermally Induced Fractures (TIF). It appears that this was associated with a temperature reduction of 
approximately 88°C of the injection water, indicating a reduction of 0.16 MPa/°C. The effect was not seen in 
lower rate injection wells, where it is believed the injected fluids are warmed more significantly as they travel 
downhole, and thus do not cool the formation sufficiently. 
Analysis of step-rate tests in injection wells in the Prudhoe Bay field in Alaska indicated that injection of 
seawater, rather than produced water, was associated with an apparent 1.8 to 3.4 kPa/m reduction in 
fracture pressure gradient (Williams et al. 1989). This was due to the temperature difference of 39°C (70°F) 
between the produced water and sea water used for injection. This was the temperature difference at the 
wellhead, and there would likely have been a smaller difference downhole as the fluid enters the formation. 
2.1.4 Case studies: Thermal effects on formation fracture pressures in drilling 
operations 
Drilling fluids are typically cooler than the formations they are used to drill through, and the cooling caused 
by these fluids can reduce the fracture pressure of the formation near the well. As the fracture pressure 
forms the upper bound for mud weight, the effects of cooling are important for drilling operations, and have 
been discussed in several papers. Maury and Idelovici 1995 reported on formation fracture related issues 
that were encountered while drilling a well in the (HPHT) Elgin field in the North Sea. While drilling through 
shales in the overburden, a flow check appeared to indicate flow into the well. At the time, this was identified 
as a kick, but later investigation revealed thermal effects had caused the observed flow. Simulations showed 
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ΔT    
(°C) 
ΔσT         
(Mpa) 








  0.10  
Calculated using typical rock mechanical properties for 
sandstone 
Fjar et al. 2008 
Typical Value   0.20  






88 13.8 0.14 – 0.18  
Temperature and fracture pressure not clear, but ΔσT/ΔT stated 
in paper consistent with observed changes in fracture pressure 




39 4.8* - 9.1* 0.12* - 0.23* 0.045 – 0.086 
Step rate tests provided fracture gradients. ΔT is difference in 
temperature between seawater and produced water at the 
wellhead – actual ΔT at formation may be less and thus lead to 
underestimation of ΔσT/ΔT and Δ Fracture Gradient. *Changes 
in stress calculated using assumed depth. 
Williams et al. 
1989 
Drilling 
60 18.3 0.35 0.06 
Cooling due to drilling mud.  Values are from models which were 




70 2.8 – 7.7 0.04  - 0.11  
Stresses determined from fracture closure pressures. ΔT 
uncertain as cooling is due to nearby injection.  
Hettema et al. 
2004 
Drilling 
33 1.03 0.03 – 0.05 0.035 
Structured test. Authors indicate that magnitude of stress 
changes were not consistent with models, but this may be for a 
number of reasons.  
Pepin et al. 2004 
 UQ–SDAAP | Pressure constraints on injection 11 
 
that circulation while drilling could have caused significant (45-70°C) cooling at the bottom of the well. It is 
now understood that this cooling had reduced the fracture gradient enough that the ECD of the mud (2.25 
SG – equivalent to a gradient of 22.0 kpa/m), was sufficient to fracture the formation. This was despite the 
fact that this mud weight had not caused fracturing earlier in the same drilling phase (when the formation had 
not yet been significantly cooled). It was also noted that leak off was not obtained during a leak off test at the 
beginning of the drilling phase, which reached pressures equivalent to a mud weight of 2.51 SG (24.6 
kPa/m). 
Maury and Idelovici 1995 subsequently evaluated borehole stress in the same conditions with 0°C, 30°C and 
60°C cooling, and determined that reducing the temperature of the well by 60°C reduced the near well 
fracture gradient from 24.7 kPa/m to 21.4 kPa/m. At the depths they were drilling (approximately 5,500m) this 
would be equivalent to a reduction of the fracture pressure from around 135.7 Mpa to 117.4 Mpa (or by 
13.5%).  
Hettema et al. 2004 reported thermal effects while drilling for 4 other North Sea wells, although in this case, 
the cooling of the formation was due to nearby water injection. They noted a reduction of the formation 
breakdown pressures equivalent to 0.69 to 3.23 kPa/m. The minimum stress was also determined from 
downhole pressure data, and the reduction in minimum stress due to cooling was found to be in the range of 
2.8 Mpa to 7.7 Mpa. The exact temperature reduction in the formation is not clear, but appears to be around 
70°C suggesting a stress reduction of 0.04 to 0.11 Mpa/°C.  This was less than the reduction calculated 
based on thermo-elastic theory, although this has been hypothesised to be due to the overestimation of 
minimum stress using fracture closure pressures, the formations not being fully cooled to the temperature of 
the injected water, and the effects of the (relatively) warmer drilling fluid on the near well stresses.  
In a structured test of this behaviour, Pepin et al. 2004 performed leak off tests at three different bottomhole 
temperatures (33°C, 55.5°C and 67°C). These tests indicated an increase in formation breakdown pressure 
of 1.03 Mpa associated with a 33°C temperature increase (or 0.03 Mpa/°C). The authors compared these 
results to those predicted by two models; a linear elastic model with added thermal effects, and a 
thermoporoelastic model. Neither model was found to quantitatively estimate the thermal effect, however the 
thermoporoelastic model did provide qualitative predictions. The authors highlight a number of issues, which 
may cause the discrepancies between the experimental values and models, in particular the lack of available 
data for the input parameters needed for the models. 
Based on these case studies it appears the reduction in fracture pressure due to cooling can vary between 
30 and 400 kPa/°C. 
2.1.5 Thermally reduced fracture pressure for UQ-SDAAP models 
There remains a high degree of uncertainty regarding the pressure at which fracturing would occur if 
relatively cool CO2 was injected into the relatively warm Blocky Sandstone Reservoir. This is a combination 
of uncertainties regarding: 
1. The fracture pressure gradient (ignoring any thermal effects) 
2. The thermal properties of the reservoir and seal (i.e. how much the fracture pressure will be reduced by 
cooling) 
3. The magnitude of cooling caused by CO2 injection 
The uncertainties surrounding the current fracture pressure and thermal properties of the formations should 
be reduced as part of an appraisal program if appropriate data is collected.  
Due to the remaining high uncertainty, it is recommended that the bottomhole pressure of wells in dynamic 
models is varied as part of a sensitivity analysis. Three scenarios are suggested, which are intended to 
represent reasonable high-mid-low case estimates for bottomhole pressure in injection wells. These 
scenarios are summarised in Table 2. 
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High 23.20 100 30 51,520 46,365 
Mid 22.20 200 40 44,170 39,750 
Low 21.20 300 50 34,820 31,340 
2.2 Fault reactivation pressure 
As the pore pressure rises due to fluid injection the stress fields in the reservoir will change, which could lead 
to unwanted seismicity along pre-existing faults, as has been observed in some geothermal projects 
(Deichmann et al. 2007; Moeck et al. 2009). 
The pressure at which a pre-existing fault will slip can be estimated based on a characterisation of the in situ 
stresses in the reservoir, the fault zone architecture and the subsequent stress changes caused by pore 
pressure increase. Due to the uncertainties regarding the stresses in the deeper part of the Surat Basin, and 
in the location and geometries of potential faults, a Monte Carlo approach to estimate fault reactivation 
pressures was used. This was similar in principal to the method described by Walsh III and Zoback 2016.  
For each ‘experiment’ in the Monte Carlo simulation, values for each input parameter were randomly 
sampled from pre-defined distributions, described in Table 3. For a pre-specified depth, a slip tendency 
based on these input parameters was calculated using Mohr-Coulomb failure analysis. The Mohr-Coulomb 
failure criterion is the most commonly used methodology for understanding the likelihood of a fault to 
encounter a shear slip event, and is mathematically expressed as: 
𝜏 = 𝐶 + 𝜇(𝜎𝑛 − 𝑝𝑓)    
where 𝜏 is the shear stress along the plane of the fault, 𝐶 is cohesive strength of the discontinuity, 𝜇 is 
coefficient of friction, 𝜎𝑛 is the stress normal to fault and 𝑝𝑓 is the fluid pressure. The shear (𝜏) and normal 
(𝜎𝑛) stresses acting on the fault plane depend on the fault orientation relative to the principal stresses and for 
an analytical two-dimensional (2D) analysis, is expressed as: 
𝜏 = 0.5(𝜎1 − 𝜎3)𝑠𝑖𝑛2𝜃,    
𝜎′𝑛 = 0.5(𝜎′1 + 𝜎′3) − 0.5(𝜎1 − 𝜎3)𝑐𝑜𝑠2𝜃 
where 𝜎1 is the maximum principal stress, 𝜎3 is the minimum principal stress and 𝜃 is the angle the fault 
plane makes with 𝜎1. A simplified 2D analytical fault slip analysis assumes that the fault plane is in line with 
the intermediate principal stress (𝜎2) and only 𝜎1 and 𝜎3 are considered for the failure analysis (Altaf et al. 
2018).  
The slip tendency was first calculated at initial pore-pressure (assumed to be hydrostatic), and then 
recalculated as pore-pressure was increased. This step-wise method was employed due to the potential for 
changes in the stress regime as pore-pressure changes, which alters the angle used in the calculation of slip 
tendency. When slip tendency reached a value of 1 (indicating a fault slip event) the associated pressure 
increase was recorded, and the ‘experiment’ was repeated using new input parameters. After ten-thousand 
‘experiments’, the results were combined.  
The analysis was performed considering two cases. The first was the theoretical worst case scenario where 
the fault had zero cohesion. For the second, the cohesion was considered as a uniform distribution between 
zero and the cohesive strength of the intact rock from the formation. Histograms showing the results for 
analyses for a scenario at 2350m are shown in Figure 2. 
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Table 3 Input distributions for Monte Carlo fault slip analysis. 
Property Units Distribution Mean  Std Deviation Min Max 
Min Horiz. Stress Gradient kPa/m Normal 16.63 0.70 
  
Max Horiz. Stress Gradient kPa/m Normal 22.39 0.70 
  
Vertical Stress Gradient kPa/m Uniform 
  
22.17 23.07 
Fault Azimuth deg. Normal 7.50 15.00 
  
Fault Dip deg. Normal 52.50 5.00 
  
Stress Azimuth deg. Normal 30.00 20.00 
  
Friction Angle deg. Uniform 
  
40.00 50.00 
Biot Coefficient N/A Uniform 
  
0.95 1.00 
Poisson’s Ratio N/A Uniform 
  
0.17 0.21 
Cohesion kPa Uniform   0 11,000 
Figure 2 Results of Monte Carlo analysis for sault slip. Blue histogram shows results assuming 
cohesionless fault, green shows results including cohesion as an input variable. 
 
 
For the cohesionless case at a depth of 2350m, the resulting P90 2 value for the pressure increase at which 
fault slip would be expected is approximately 30,100 kPa, with a mean value from all ‘experiments’ of 
34,200kPa. These values suggest that the pressure at which fault slip would occur (P90 = 53,150 kPa, mean 
                                                     
2 P90 refers to the value which is exceeded by 90% of the estimates (i.e. a low case) 
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= 57,250 kPa) is likely to be higher than the BHP limit (to avoid inducing fractures in the Blocky Sandstone 
Reservoir) of any injection well (as specified in Table 2), even in this theoretical worst case. Any cohesion 
that existed would increase the pressure required to cause fault slip. Since pressure during injection 
decreases away from the well, and potential injection sites should be located away from significantly faulted 
areas (to reduce the risk of CO2 leakage through faults), it seems very unlikely that fault slip would occur due 
to injection operations if these BHP limits were adhered to.  
Even if fault slip is unlikely to occur, faults must be considered carefully as potential up-fault leakage 
pathways. 3D seismic should be used to define fault zone architecture and to avoid injecting in areas where 
significant faults (i.e. those which have potential to allow leakage of CO2 through the seal) have been 
identified. Gonzalez et al. 2019a describes the characterisation of major faults in the UQ-SDAAP project 
area and assess the up-fault leakage potential.  
3. Conclusions 
Limited data is available regarding the stresses in the deepest part of the Surat Basin, which has been 
identified as a potential target for CO2 storage. Based on the data that was available, thermally reduced 
fracture pressures (to account for the cooling effects of CO2 injection) were calculated. If 90% of the mid-
case fracture pressure is used as the operating maximum bottomhole pressure (BHP) for injection wells, the 
BHP limit would be 39,750kPa at 2300m. If wellhead pressure (WHP) is limited to 15,000kPa (150 bar), this 
BHP limit would not be reached during CO2 injection. However, if wellhead pressures were increased (e.g. to 
20,000kPa), the injection wells could be limited by these BHP constraints.  
It was proposed that models use high and low BHP cases of 46,365kPa and 31,340kPa (adjusted for depth) 
for sensitivity analysis. For the higher BHP limit, wells will actually be limited by the WHP constraint, and will 
never reach the BHP limit. Conversely, if the lower BHP limit is used, wells will quickly become limited by 
BHP, and increasing the WHP would have no benefit (and would simply fracture the formation). 
As well as assessing the fracture pressure as a limit to well BHP, the fault reactivation pressure was 
assessed probabilistically using a Monte-Carlo approach and Mohr Coulomb failure analysis. This analysis 
suggests that the pressure at which fault slip would occur is likely to be higher than the BHP limit (to avoid 
inducing fractures in the Blocky Sandstone Reservoir) of any injection well. Any injection wells would need to 
be located away from any faulted areas (to reduce the risk of CO2 leakage through faults). The pressure 
would decrease with distance from the well. It seems very unlikely that fault slip would occur due to injection 
operations. 
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5. Appendices 
5.1 Appendix 1: Geomechanics modelling 
Geomechanics modelling work was carried out in order to better understand the magnitude of the fracture 
gradient pressure variation across the Surat Basin. 1D Mechanical Earth models (MEM) were constructed for 
six wells (Figure 1) that were selected based on the availability of required well log data: 
1. Woleebee Creek GW4 
2. Durham Deep 1 
3. Fantome 1 
4. Daydream 1 
5. Glen 1 
6. Moonie 43 
Figure 3 Surat Basin wells included in this geomechanical modelling work 
 
 
The rock mechanics core test results data for Woleebee Creek GW4 well were utilised for calibration of log 
derived static elastic and rock strength properties; i.e. Poisson’s ratio, Young’s modulus, unconfined 
compressive strength and friction angle. Bulk density, sonic compressional and shear slowness logs were 
used to calculate the dynamic Poisson’s ratio and dynamic Young’s modulus (Altaf et al. 2018). The 
following relations were then employed to generate core-calibrated static elastic properties. 
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Static Poisson’s ratio for Siltstone: 
𝜈𝑠𝑡𝑎 = 0.8𝜈𝑑𝑦𝑛 + 0.07,   …………………………...……………………………………………….(1) 
Static Poisson’s ratio for Sandstone: 
𝜈𝑠𝑡𝑎 = 0.5𝜈𝑑𝑦𝑛 + 0.07,   …………………………….………...……………………………………(2) 
Static Young’s modulus for Siltstone: 
𝐸𝑠𝑡𝑎 = 0.75𝜈𝑑𝑦𝑛,   …………………………...………………………………………………………(3) 
Static Young’s modulus for Sandstone: 
𝐸𝑠𝑡𝑎 = 0.8𝜈𝑑𝑦𝑛,   ………………………...……………………………………………………………(4) 
Rock compressive strength was calculated using compressional sonic slowness, ∆𝑡 (us/ft), log data using 
following empirical relations. 
 
Rock compressive strength (MPa) for Siltstone: 





,   ………………………...……………………………………………………(5) 
Rock compressive strength (MPa) for Sandstone: 
𝑈𝐶𝑆 = 720𝑒(−0.036∆𝑡),   ………………………...……………………………………………………(6) 
 
Volume of clay log from Petrophysical analysis was employed to generate both Biot’s coefficient as well as 
the friction angle of the rock. For Biot’s coefficient, the end point values of 0.6 for claystone and 1.0 for 
sandstone were used. Similarly, for core calibrated friction angle, the end point values of 20 for claystone 
and 50 for sandstone were selected. The resulting rock mechanical properties logs for Woleebee Creek 
GW4 are presented in Figure 2. 
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Figure 4 Woleebee Creek GW4 log plot displaying the log derived elastic and strength properties curves 
calibrated against core derived rock mechanical test results. Track-1 shows gamma ray and 
clay volume logs. Track-2 shows neutron and density logs along with core density. Track-3 
shows log derived dynamic and static Poisson’s ratio curves along with core Poisson’s ratio. 
Track-4 shows log derived dynamic and static Young’s modulus curves along with core 
measured Young’s modulus. Track-5 shows core measured and log derived unconfined 
compressive strength. Track-6 shows core measured and log derived friction angle. 
 
 
Overburden stress was calculated using an integrated density log extrapolated to the surface and pore 
pressure using a hydrostatic gradient of 9.7 kPa/m (0.43 psi/ft) (Tavener et al. 2017). The two horizontal 
principal stresses were estimated using Poroelastic stress equations (Thiercelin, Plumb, and Schlumberger 
1994), as follows: 
 
(𝑆ℎ𝑚𝑖𝑛 − α𝑃𝑝) =
𝜈
1−𝜈






𝜀𝑦,   ……………………………….(7) 
(𝑆𝐻𝑚𝑎𝑥 − α𝑃𝑝) =
𝜈
1−𝜈






𝜀𝑥,   ………………………….…...(8) 
 
where 𝑆𝑣 is the vertical stress, 𝜈 is the static Poisson’s ratio, 𝐸 is the static Young’s modulus, α is Biot’s 
coefficient, 𝑃𝑝 is the formation pressure, 𝜀𝑥 is the tectonic strain coefficient in the minimum horizontal stress 
direction and 𝜀𝑦 is the tectonic strain coefficient in the maximum horizontal stress direction. These tectonic 
strain coefficients were set for each MEM to match the available well data such as leak-off pressure. 
Wellbore stability (WBS) analysis is conducted, which estimates the formation breakout mud-weight along 
with formation breakdown pressure (also termed fracture gradient previously in this document). Figure 3, 4 
and 5 presents the complete MEM-WBS analysis plots for the Woleebee Creek GW4, Fantome-1 and Glen-1 
wells. The minimum formation breakdown gradient for the Blocky Sandstone Reservoir, based on the MEM-
WBS analysis results of the 2 deeper wells; Fantome-1 and Glen-1, is expected to be 22.20 kPa/m (18.8 ppg 
or 0.98 psi/ft).  
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Figure 5 MEM-WBS Plot for the Woleebee Creek GW4 well. Track-1: Gamma ray and shale volume. 
Track-2: Neutron and Density logs. Track-3: Poisson’s ratio. Track-4: Young’s modulus. Track-
5: Unconfined compressive strength. Track-6: Friction angle. Track-7: Biot’s coefficient. Track-8: 
Pore-pressure, overburden stress, minimum and maximum horizontal stresses, leak-off 
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Figure 6 MEM-WBS plot for the Fantome-1 well. Track-1: Gamma ray and shale volume. Track-2: 
Neutron and Density logs. Track-3: Poisson’s ratio. Track-4: Young’s modulus. Track-5: 
Unconfined compressive strength. Track-6: Friction angle. Track-7: Biot’s coefficient. Track-8: 
Pore-pressure, overburden stress, minimum and maximum horizontal stresses and leak-off 
pressures. Track-9: Formation breakout and breakdown mud-weights. 
 
 
 UQ–SDAAP | Pressure constraints on injection 22 
 
Figure 7 MEM-WBS plot for the Glen-1 well. Track-1: Gamma ray and shale volume. Track-2: Neutron 
and Density logs. Track-3: Poisson’s ratio. Track-4: Young’s modulus. Track-5: Unconfined 
compressive strength. Track-6: Friction angle. Track-7: Biot’s coefficient. Track-8: Pore-
pressure, overburden stress, minimum and maximum horizontal stresses. Track-9: Formation 
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